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NOTE TO READERS

Bay State Gas Company

This report was prepared by National Economic Researc%mAssdﬁli%27
: . Lt . B . ment RR-DTE-89
iates, Inc. It contains information that will be consl ezé,e3m1n
by the Project Committee along with other reports, data and
information prepared by several other consultants, the various
task forces and other participants in the rate design study. This
document is not a report of the Project Committee and its publi-
cation is for the general information of the industry. The
project Committee will report its findings to the National
rssociation of Regulatory Utility Commissioners in a compre-
hensive report that will be published in the spring of 1977.

The report of National Economic Research Associates, Inc. (NERA)
contains the findings and reflects +he views of the. consultant.
The distribution of the document by the rate design study does
not imply an endorsement by the Project Committee or the organi-
zations, utilities or commissions, participating in the rate
design study. ‘ '

National Economic Research Associates, Inc. (NERA) was retained

to examine portions of the Plan of Study (e.9., "Costing for Peak
Load Pricing,” Topic 4). 2 fack force was organized and another
consultant (Ebasco Services, Inc.) was engaged to provide addi-
+ional information on "Costing for Peak Load Pricing." The
findings of the task force and Ebasco Services, Inc. will be

released concurrently with the NERA report.

Topic 4 is described in the Plan of Study as:

mopic 4 Costing for Peak~-Load Prigcing

. The actual application of the methodology which is
to be described in the working paper prepared in-Topic 1.3
would reguire cost data which. would be applicable toO particu-
lar utility systems. A great deal of work with conpany data
drawn from a number of cooperating utilities will be reguired.

The problem in this area would be, first, to deter-
mine what companies would be most nseful for inclusion in a
detailed cost analysis. The criterion here is not randomness
put rather the inclusion of a diversity of problems. A com~
pany's willingness to make a great deal of data available 1is
of course the first essential, but thereafter companies should
be chosen with a view to covering the major characteristics
which are thought to entail different cost structures. These
might be summer vs. winter peaking {c.f. Topic- 6.1}, connection
to a power pool, predominance toO hydro capacity, etc. Public/
private differences may also need to be taken into account.
A first topic (4.1) would be tO identify the companies wil-
ling to participate and rhose who have usable data, and to
make the selection of participating companies, using criteria
discussed above. :
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Topic 4.2 consists of the field w
cost data. Using the approach devel :
cost studies would be performed:® A& i
ready performed the application ©f:methog
costing theory raises problems of-implemanta _
can require the rethinking of tentative  solutis Moreover,
the varying company situations may pose issues ue foreseen
in the theoretical stage. Consequently, it is essential to the
full development of a costing program o engage in this "field
work." IR

A further problem in developing costs is #hat if a
change in rate form is contemplated, demand responses of con-
sumers pay change the cost structure. This makes it erucial
that the knowledge to be gained about elasticity responses
{Topics 2.1 and 2.2), associated with the introduction of dif-

- ferent rate structures, be integrated into the costing analy-
sis, to the extent possible, and that sensitivity analyses be
performed as to the possible size of cost changes resulting
from rate changes. Involved here is the potential of peak
shifting (c.f. Topic 6.1) and of revenue erosion.

The results of the first two topics in this seection
would form the basis of a report (Topic 4.3} which would re-
view the results of cost analyses comparatively to determine
what modifications to the theoretical costing asnalysis are
indicated to yield a "de~bugged" methodology.

Finally, (Topic 4.4) while most of the major com-
panies collect cost data for purposes of accounting, budgeting,
planning and load management, and some of this will have di-
rect application, there are likely to be édefinitional incon-
sistencies and actual gaps in the data, and as work proceeds
on earlier phases of the topic, supplementary data collection
reguirements may become apparent. The completion of Topic 4
should make available a practical costing methodology which
could undergird a peak-load pricing approach.

The National Economic Research Associates report is responsive

to the reguirements of Topic 4. Their findings, as reflected in
their report, will be weighed by the Project Committee in reaching
its conclusions. Many of the issues in the rate design study ,
are controversial, in some cases data are lacking and in certain
instances value judgments are necessary. Thus, readers are cau-
tioned to make their own careful assessment of NERA's work and to
consider other sources of information as well. Readers are reminded
that some of the materials contained in this report will be an
advocates point of view.

ii
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NOTICE

This report was preparsed hy National Economic Research
Associates, Inc. {(WERA) as an account of work sponsored
by the Electric Power Resgearch Institute, Inc. (EPRI).
Neither EPRI, members of EPRI, National Economic Research
Associates, Inc. nor.any person:acting on-behalf of either:
(&} ‘makes any warranty or.representation, expressed or:.
implied, with respect. te the accuracy, . completeness, or’
usefulness of the information cohtained in this report,
or that the use of any information, apparatus, method; or
process disclosed in this report may not infringe pri-
vately cwned rights; or (b} assumes any liabilities- :

. with respect to the use of, or. for damages resulting from-
. 3 ¢ - 3 . g L

the use of, any information, apparatus, method, or process
disclosed in this report. : '

iii
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ABSTRACT

This report melds economic theory with the pract
aspects of electric utility operations and planning.. 1Its
purpose iz to provide a logical framework for the guantific
tion of the marginal costs of electric utility service.
Essentially, the report enables those generally familiar w:
the industry to understand the basic methodology used to
quantify marginal costs and equips those with specific knos
edge of demand patterns, operations and planning to develgi
in-depth time~differentiated marginal cost analyses. The
logical framework set out in the report is based upon an
understanding of the principles of cost causation. This
framework must be adapted to the variegated circumstances
applicable to each company and, as the report points out,
proper analysis of marginal costs does not lend itself io
neat, formulistic approach that can be relegated solely to-
computer. v

[+ 431
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HOW TO QUANTIFY MARGINAL COSTS

1. SUMMARY

This report provides a framework which will aid the
generaliét in the understanding of marginal costing methodol-
ogy and aséist the specialist in conducting in-depth time-dif-
ferentiated_marginal'cbét studies.

Essentially, rhe report finds that a 1Qgicai frame-
work can be developed to analyze the three parameters of cost
causation: capacity, energy and customers. additionally, the
report provides a method (based on eédnomié’theofi)'of-dis—
sributing capacity costs over time and of choosing aggregated
costing periods £Hat lend themselves toO practicai tranglation
into rates. This logical framework rests upon an understand-
ing of the principles of cost causation. A brief'syﬁopsis of
+he step-by-step methods for qﬁantiﬁying marginai-dbsﬁé £511lows.

NOTE: All analyses discussed below should be con-

ducted using constant dollars. This point is emphasized here
and, for the sake of economy OFf words, will be repeated

sparingly.

Selecting the Costing/Pricing Time pPariods

A. The primary criterion for develogiﬁg costing periods
{(with sighificant differences in marginal costs) 18 the pres-
ence of systematic time-related gifferences in the probability

+rhat load will exceed available capacity. This, combined with
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a systematic timejrglated;difféféﬁééQfA ééénd patterns, provides
‘& guide as to the expected periodic shdrtage:(or capacity)}

costs and, in most cases, the periodic level of the marginal

energy ccosts.

B. A balance must be struck between the precise de-
lineation Qf;time—differentiated mgrginal costs that, when
converted to rates, would bewilder the consumer and an overall
averaging of marginal costs over time that would defeat the

purpose of time~differentiated pricing. It is recommended

that hours of relatively similar costs be grouped together in
a fashion that recognizes sensible divisions betwsen the hours
of the day, the days of the week and the seasons of the yéax,
and that marginal costs be computed for these costing and
ratemaking periods. Consideration of prospective metering
capabilities and rate forms can help to refine this process
considerably._

C. In recognition of the currently limited knowledge of
time-~of-use price elasticities, it is recommended that a con-
servative approach be taken and that peaﬁ periods ke broadly
defined to avoid the risk of peak chasing and to avoid the
reversal of the preliminary steps taken in the direction of

marginal cost-based rates.

Marginal Generating Capacity Costs

A. The long-run marginal generating capacity cost is

the cost of the generating unit that, in an optimal (least

-
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would be added o agcom-

generating mix) system,

“aééd‘peakmperiod demands. Depending upon the

3d ‘duration curve and the natural resources avail-~

e-utility, this unit will most likely be a combustion

pumped storagée preject, & cycling (daily) fossil

aﬁ‘édditicnal water wheel at an existing Hydro site.

The short-run marginal capacity cost will be the

cost for hours not served. Theoretically, on an

asig, if the expected shortage cost eguals OX exceeds

ost ‘of peaking capaCLty, systemn expansion will occur.’

Due +o the fact that capacity is acquired in dis=

;hlocks‘and-long ljead times are reguired, gtilities will

$1late around the least total cost expansion curve. Rather

hHan follow the short-run costs ifn +heir oscillations around

illb*lum, it is recommende +hat, for marginalrcosting

poées,-the long~run marginal costs of generating capacity

bo used except in chronic cases of imbalance.

D, In chronic cases of capacity and demand imbalance,

_such as that 0cca510ned in the Northeast by the sudden rise in

‘need to build baseload nuclear generatlng

“units, the capacity cost is either the fixed cost of not

retiring older, lnefF1c1ent units or the cost at which capac-

ity can be bought and sold on contract. This cost can be

significantly less than the current cost of peaking capacity.

Tf +he situation is expected to last for some time,. these

marginal capacity costs should pa used as the basis for rate-

making.
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Marginal Energy Costs

A. Marginal energy costs are the fuel and variable
cperation and maintenance expenses asgociated with increases
in demand. The marginal energy costs can be calculated by ex=-
amining results from production cost modeling programs to
determine what additional cost would be saved or incurred as
the result of changes in demand at different points aleng the
load duration curve.

B. All energy produced during each hour should he

costed at the marginal energy cost for that hour. Welghted

i.).

average marginal energy costs for the costing/pricing periods
are developed by weichting each marginal energy cost level in

the period by the anticipated sales during the time that that

sl

o

H

r
Jote
O

ular marginal energy cost level prevails.

C. In the case of systems oscillating eround an optimal
generating mix eguilibrium, it is desirable +o analyze mar-
ginal energy costs over a full cycle of csecillation, usually
five to ten years into the futﬁre. In the case of systems
chronically out of optimal mix {e.g., the Northeast), it is
generally more desirable to reflect the near—term energy costs
in rates.

D. In computing marginal energy costs, specizl con~

" sideration must be given to units operating for reasons.of
area protection, minimum load reguirements or steam system re-
quirements. Such units, while oftentimes the most expensive

on line, are not marginal energy sources.
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E. Impounded hydrc energy, when dispatched between com-
bustion turbines and more efficient units, should be costed at
the value of displaced energy. When impounded hydrec i1s used
as the peaking machine, capacity and energy costs should be
developed from construction costs. The %loqr value of pumped
storage energy will be the marginal energy cost of the machine
used to pump, adjusted for the pumped storage efficiency
factor; otherwise, pumped hydro should be treated the same as

pondage.

Transmission Costs

A, Trénsmiésion investment is causally related to
gsystem peak deﬁand; and a mérginal transmigsion investment per
kilowatt of incremental peak demand can be developed.

B. Marginal transmission investment is not neceSSerly
the 1ncremental cost of growth but a level of dollars per
kilowatt of gystem peak demand tha; w1ll result from Lhe
expansiocn of the transmission Syst@m in the most f cient
manner consistent with system rellablllty criteria.

cC. Measurement cf the 1evel of marginal 1nvestment71n
transmlsSLOn fac111t1es requlres adherence to three baSlC
ground rules. They are:

1. Examine a time perid& of sufficient length such
that lumpiness of iﬁ?estment or temporary aberxations in peak-
load growth‘will not disﬁoxtcthe fésulﬁ.. "

2. Examine bbth an historic and forecast periddr$d

as to illuminate any unusual conditions not related to .
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marginal costs, as well as to understand-£he effect of any
changes in technolcogy.

3. When developing per-kilowatt investments, unitize
total investment on the basis upon which such investment was
planned. As a rough rule of thumb, in time periods over which
the incremental reserve ma:g?n is roughly egual to the long-
run planned reserve margin, unitize on the basis of additions
to system peak demand. For periods over which the incrementai
reserve margin is not in line with the long-run planned re-
serve margin, it may be most. appropriate to unitize on the
basis of‘additions to system generating capacity and then
adjust upwards for the long-run planned reserve margin.

D. ‘Pransmission investment in facilitiles related sclely
to remote generator sitings (coal-by-wire) are part of the
~gerferation planning trade-off and should nct be included as
marginal transmission costs.

. fTransmission investment in high voltage intercon-
nections with neighboring utilities or power pocls may not be
necessary for internal system transmission neesds, but may be
ecenomically justified because such facilities will make
available emergency or diversity capacity that will reduce
system reserve requirements. In such a case, the generating
capacitf costs avoided will exceed the transmission cost in-
curred. These costs should not be considered as maxginal
‘transmission costs, but, rather, should be considered as parc

-

of the cost of generation reserve.
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F. BAnalyses of the per-kilowatt operation and mainte-—
nance expense on demand-related transmission facilities should
be made by examining historic and forecast trends in such ex-

penses in relation to trends in system peak load.

" Distribution Costs

A. Investment in an alectrlc dlstrlbutlon system is
causally related to three factors' customers, demand and
energy. The custoner—related portﬂon Qf the d;strlbutlon
system should be v1ewed as a system capable of connectlng all
consumers but provadﬁqg voltage only and no power The
demand-related portion con51sts of the componcnts necessary to
accowmodabe the demands that consumers actuaTIy place upow the
system. The energy-related component refers to the aspect of
distribution planning whereby least total costs are achieved
by initially placing in service.distribution capacity greater
than deman& and thereﬁy reducing energyrlosses andlreplacement
costs. B

B. The marginél cuétomer~relatéd invesfment can be
determined by computing the cost of reconstructing the system
o be able to serve only a minimum demand to each customer and
subtracting the material cost of all trénsformers'and con-
ductors. Basically, tﬁe remainiﬁg‘coét Wéul& consist of

construction labor costs and the material costs of poles. A

per-customer investment would he detexmined by dividing the

cost of the system by the total number of customers.
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C. The preferred method of quantifying marginal demand-
related distribution investment is a statistical approach
regressing investment in demand-related distribution accounts
against distribution system peak demands. This method can be
used only over a time period of sufficient length (for pur-
poses of statistical validity) in which distribution tech-
nology and planning criteria were not abruptly changed.

D. An alternate method, similar to. the method of cal-
culating mérginal transmission investment per kilowatt, can be
used (after subtracting customer-related investments) if
there are problems in applying the statistical approach.

In any éase, expenditures not related to increased demand,
such.as expenditures for the replacement of retirements or
road widenings, must not be included when calculating marginal
demand-related distribution investment.

E. Operation and maintenance expenses incurred on the
distribution system related to the existence of customers and
demand should be analyzed and unit marginal costs developed.
Methods of accomplishing these analyses are cutlined in the
report.

P. Distribution costs should be adjusted to reflect
differing class load characteristics and the voltage level at

s

which power is delivered.

Other Marginal Costs

Marginal cost aspects of custonmer accounts, -sales,

and administrative and general expenses should be analyzed and
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included in the total marginal cost picture. Customer ac-

counts and sales expenses lend themselves to & dollaxrs-per-
customer computation. Administrative and general expenses are

included in all other expenses to which they are applicable.

Carrying Charges

A. The total present value of all fixed costs associ-
ated with a long~run unit investment in a given function

should be analyzed. The basis for this analysis is the revenue

requirements method used by engineefing economists.
B. From the total present value of the costs associated

with the investment, the appropriate first year charge should

be estimated. If no change in the price of replacemant equip~
ment is projected (if inflation is expected to be offset by
technical progress), this can be done by estimating a levelized
annual carrying charge using the tax life (asset depreciation
guideline range lower limit) of the project.

C.. If technical progress is expected, the cost of the

eguipment is raised because, by buying this year rather than
next, a certain price redgction is foregone. By parallel
reasoning, if inflation is expected, the cost is reduced.
Buying the machine this year rather than next has saved the

higher price which will be demanded next year.

"Marginal Losses

A. Loss factors are used to convert costs measured at

system level to costs measured at the meter and thus provide .-

for an easier translation of costs into rates.

R B R i
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B. 211 marginal capacity or demand costs should be ad-
justed by electric losses at time of system peak demand.
~C. All marginal energy costs should be adjusted by

periodic marginal energy losses.

Summarizing the Costs

A. Capacity costs for each class for the generation and
transmission functions should be annualized (using the per-
centage cérrying charges) and summed. Annualized distribution
costs may be added to this sum depending'ﬁpoﬂ ratemaking
considerations. Demand-related operation and maintenance
expenses for each function should be added to this total.
Class cost differentials will exist due to distribution
capacity cost differentials arising from different class load
characteristics and voltage delivery levels.

B. The resulting marginal capacity costs should bé
allocated to costing/pricing periods on the basis of the
relative risk of load exceeding capacity in each period and
the number of hours of risk in each period.

C. The resulting periodic capacity costs are still
expressed in terms of dolla:s per kilowatt of system peak
demand. They should be adjusted to dollars per kilowatt of
periodic mean peak demand by dividing the cost by the ratio
between.periodic mean peak demand and system peak demangd.
Consultation should be held with the ratemaker to determine

the most convenient method of expressing the costs.
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D. Customer costs should be annualized using the per~

centage_carrying'charge figure; customer-related distribution

expenses and customer accounts and sales expenses should be

added to the annual customer cost.
E. The periodic marginal energy costs adjuSted‘for

losses are already in a form suitable for use by the

maker.
F. The annual cost per customer, the_capacity cost per
kilowatt of mean peak demand and the periodic energy cost

should be summarized for each costing/pricing pericd and

presented to the ratemaker as the bases upon which to'foxmuw

late rate structure.
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IT. INTRCDUCTION

The purpose of this report is to ocutline an appro-

A R it

priate way in which to go about guantifying the marginal
costs of supplying electric utility service. The objeét of
the costing process outlined herein is to gquantify the mar-

ginal costs of a utility, not the revenue reguirements of

a utility. Translation of these costs into rates is not
addressed herein although it will be necessary, at times,

to speak of costs as though they were rates.

The scope of an analysis of cost causation for
purposes of time-differentiated pricing attacks issues
broader in scope than those covered in cost studies for
ratemaking previously undertaken in the electric utility
industry. The Soughtnafter concept is timé~related, for-
ward-locking and marginalist in nature. This cost anaiysis
must make available to the ratemaker costs related to time
of day, season cof the year and weather (to name the most
obvious), so that ratemaking decisions may be made. One must
also keep in mind the current state of the.metering art and
current administrative feasibility. Further, and perhaps
most importantly, these costs should point the way to desgirable
changes in metering and administration of rates as targets to

be achieved.

We wish to point out that such a cost analysis does -

not lend itself to a neat, formulistic approach that can be
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relegated to a computer using the books and records of the
company &s sources of input. Rather, this cost analysis re-
guires an understanding of cost causation and of the inter-
relationships between the varying‘cosf elements, as well as
-the ability to interpret an array of data that ranges from

the utility's bocks of account to the effects of changing

fuel costs on system dispatch.”  The key to the analysis lies
in an understanding of the processes by which the variocus
components of an electric system are planned. Without knowl-

edge of these processes, the costs found in +the books of ac-

count will remain mute as to what caused them to be incurred.
Therefore, we will, in the various segments of this report,
discuss the problems that will be encountered in the practical
application of the theory as set forth in Topic 1.3, offer

solutions to the more common problems encountered, and pro-

vide sample computations.
The marginal cost of supplying electric service
can be separated into three categories. The first, marginal

customer cost, is the cost associated with building and having

in place an electric system that provides area coverage and

"hook~up" for a pepulation of minimum demand customers. The .
second, marginal demand cost, is the cost associated with
building and maintaining a system with sufficient capacity_to
meet incremental electrical demands. The third, marginal

energy cost, is the cost of producing the power that is de~

manded. Each of these costs is computed in terms of current

T

i

G
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or "real! dollars and .thus: they do noh rerlecurﬁ%§3@éqeral

lnxlatlonary ekbectatlons.. hlS 15 done 1n order that these

costs might reflect today's costs oflprpyiq;ggfalgctric_Serv“

‘ice. In this way, the consumers, in their &eciéiopmmaking

processes, will be choosing between electricity and some other

good or service on the basis of costs stated in current dolléz:sE
What are the characteristics of these costs?

Turning first to capacity- or demand-related costs, we find

that they tend to be lumpy. Scale economies and construction

lead times combined dictate the installation of large discrete

lumps of capacity. These large lumps of capacity both relieve
loads on older, less efficient units {in the case of generation;
and allow room for additional growth on the systen. Taking |
our lead from Boiteux,! we have treated these lumpy. additions
as though they were more flexible angd could be had in very

small inérements of capacity. To do so, we derive unit costs

of generation based on the unit cost of capacity. In the case

cf transmissicn and distribution, we utilize the stream of in-

“Fh

vestments related to lcad to derive a unit capacity cest. AlL
of these unit costs are exXpressed in current dollars, and they -
represent today’s cost of adding a small increment of locad to
an electric utility system.

With respect to maréinal energy costs, it is also

necessary to examine costs over a period of years. The

! Marcel Boiteux, "Peak-Load Pricing," The Journal of
Business, April 1960, p. 176. S
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appro?riate measure of marginal energy costs is an average of
marginal costs over the period examined. The reason is thét
system coptimality cannot be thought of as a point occurrence
as long as there is growth. Here, again, it is the combina-
tion of scale economies and construction iead times that makes
it necessary to get at ﬁhe appropriate measure of long-run
mérginal cost in a somewhat roundabout manner. Let us look
at a simple example tc illustrate the point. In a growing,
thermally deminated generation éystem, peaking units will be
added first, followed by a baseload unit. During the construc-
tion of the baseload plant, the peaking units will be required
to run a longer number of hours than indicated as optimal by
the economic trade-offs between these two types of plant.
When the baseload unit comes on line, the pegk%ng units will
run lass‘than the optimal number of hours. Over the period.
of a planning cycie, the peaking unit willf on average, oper-
ate the optimal number of hours.

The long-run marginal demand and energy costs of
an electric utility vary with the time of consumption. The
marginal cost of energy at a given time is the marginal fuel
and variable operation and maintenance expenses that will re-
sult from an increment in demand at that time. In other
words, er each hour of the year the plants avaiiabie_for,ﬁse
are arranged in ascending order of operating costs; the dis-
patch plan is usually to add operating units in ascending

order of running costs as demand increasee; and, therefore, .

eSS
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the marginal cost curve for each hour is the relationship be-
tween kilcwatt demand and the running costs peér kilowatt-hou:

This marginal cost curve {as a function of demand}

can be thought of as rising, with running costs, until the
point at which capacity is exceeded, where the cost becomés
the shortage cost and the curve riées very sharply. The
shortage cost corresponds to the costs incurred by customers.
who would not be served in the event of demand exceeding
capacity, These-costsrcould, in principle, be calculated
directly. The French naticnalized electrie industry does

just that; it lcoks at its plan for load shedding and calculaté
the loss of value added for industries which it would shed

in a situation of potential power failure. It +hen rlans to
add capacity to the point at which the cost of the last unit
of capacity added egquals the probable cost of a failure. In
the United States, however, we zet ocur capacity reguirements
(including réserves} with reference to a sat of reliability
criteria. For purposes of whatvfollows, we will assume that
these criteria, while set subjectively, adeguately reflect

the shortage costs or the costs of not having enough. This
means that the system has been planned to egualize the cost
of failure with the cost of the last unit of capacity; the
shortage costs caﬁ then be determined, as it were, in reverse,
by reference to the capital cost of the last unit of capacity.
This "last unit" of capacity is the unit which the company
customarily would use to meet +he peak (i.e., loads of short-

s

est duration).
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harged to the peak hour. Rather, the cost must be
zguprinciple, to each hour based on the relative
tyv.-that load will excead caﬁacity in that hour. e
secduse (in principle) tﬁe reliability criterion com-—
ised is-the sum of the probabilities for each hour that
ﬁill not be met. Simply put, during some hours there
éter'risk that capacity will be exceeded than in others.
.fis logical, in principle, to assign a-portion of the

onsibility for the cost of the "last unit" of capacity

sach hour in proportion to the degree of risk that capacity

: be‘exceeded.z However, as will be sasen later in this

eport,’® it is not necessary as a practical matter to make

his computation for every hour of the year.
I+ is important to recognize +hat these marginal

costs do not represent a form of prospective rate base oOr

aﬁerage incremental costs, but reflect the rime-differentiated

‘marginal costs upon which consumption=decisipns should be

+hased. These costs do represent +rhe cost of reproducing the

service provided at today's costs and under today's. technol-
ogies, and are +he costs that, in the long run {as defined by

+he economist) will be saved oY i peurred ~tnther production and

delivery of electric energy. MNany people have incorrectly come

2 gee Topic 1.3, pages 57 to 58 and 77 to 81 (refers to NERA's

report on Topic 1.3).
3 gee pages 27 to 30 below.
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“ to view marginal cost as the cost of growth. . “Economically
speaking, this view 1s wrong because in the long run it will
be necessary, even without peak~load growth, to replace.cld
and unreliable facilities at current costs and with current
technology. . Thus, in the long run, a decision to consume less
electricity .{as opposed to a.decision to continue to consume)
will reduce the costs incurred in that replacement.

All costs computed fox the“purposes of this presen-
tation are on the basis of prices currently prevailing. By
~this it is meant that general inflation must be excluded from
estimates éf costs during the period studied, but relative
changes in costs (for example, between different primary energy
scurces) which could affect the choice of egquipment must be
taken into consideration. As further inflation takes place,
-the cost estimates developed will have to be adjusted.®

In deriving marginal costs, it may be necessary ko
examine a utility's costs both prospectively and retrospec-
tively. Additions to. plant tend to be lumpy and, in some
cases, economics dictates the installation of = facility in
advance of the lcad to be met by that facility. 1In this
event, the lcad and thefinvestment must be brought into phase

with one another i1f proper unit costg are to be derived.

* While anticipated inflation is removed from the cost
estimates utilized herein the effects of inflation must
be taken into account. See Section IX for a discussion-
of how this is accomplished.

s
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‘There are investments incurred to replace aging plant, to move
facilities at the request of a governmental agency and to
impreve service reliability.® None of these investments is
related to increments in load or customers and, therefore,
they should not enter the marginal cost analysis. However,
while these kinds of expenditures should not be: related to
load increments, the depreciation allowance included in the
annual carrying cost of these facilities which are related to
lead increments should reflect the probabiliity that similar
circumstances will arise in the future.

We have been asked if there is a specific time
period to be used in the analysis of a utility's marginal'
costs. The answer is no. Nor is there any logical raéionale
+hat demands that the same time period be used in the analysis
of each of the components of marginal costs. All that is
required in deriving long-run marginal costs is that the time
frame be sufficiently long so that the costs fully reflect the

reoptimization of the system. Since the distribﬁtion system
is continually being optimized, a relatively short period_of
time will generally provide sufficient information to dexrive
long~run marginal costs. Generation and transmission, howe&er,
may require analysis over a longer period of time since those

segments of the system may take many years to reoptimize.

5 We speak here of "catch-up" expenditure. It is assumed
that expenditures to meet load additions include the costs
of providing a level of reliability. .

-
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IIT. DATA SOURCES . - .. . e,

Proper "qua'ntiﬁicat:iqn Gf‘narglnal costs, requires
substantial amounts of informatién;fégaiding,the-cost and
operating characteristics of the company under study. - Peak-
load forecasts, budgeted capital and operation and_mainténance
expenses, forecast fuel expense and forecast system dispatbh
are examples of the type of information necessary to compute
marginal cost levels. Loss-of-load probabilities and daily
locad cﬁrves are 1nformation that is essential in choosing
costing periods. Electric losses at time of peak and under

different load conditions are necessary to adjust demand costs

to allow for losses at time of peak and to adjust energy costs
to allow for incremental anergy losses.
The primary sources for information of this type are ..

the people who are constantly involved in the planning and

operation of the electric gyvstem. Sirce marginal costs look
forward rather than backward, pPlanning and operating personnel
are in a‘position tc generate the kinds of information neces-
sary for the costing process. The foellowing kinds of infor-
mation are necessary to complete a marginal cost study.

1. &. Summer and winter peak-load forecasts for

the next 10 years;

b. actual and weather-normalized summer and
winter peak loads for the past 10 years; and

c. monthly cocling and heating degree d;ys for
the last 10 years énd weather conditions on the summer ;nd

Winter peak days for the last 10 Years.
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In this regard, we need to know the relationship

(A

write-up explaining peak-normalization procedures, including

design-day conditions, would be helpful.)

2. Hourly system loads for the past 10 vears, in

computer-compatible form, which are used to develop daily load

curves.- (A copy of the computer data submitted to EEI® is
usually the most readily available.)

3. Hourly marginal energy costs (including variable

operation and maintenance expense) for the next Ffive to 10

years in computer-compatible form. If these are not available,

the following data will generally provide sufficient informa-

tion to compute marginal energy costs. (These data should

also be in computer-compatible form for ease of handling.)

a. a menth-by-month system dispatch showing the

amount of hours each unit will be run;
b. the energy generated by each plant;
c. the MBtu consumed by each plant;

d. the cost of fuel per MBtu in base-year dol-~

lars (general inflation excluded};

e. the base-year dollar cost per kilowatt-hour

of variable operation and maintenance expenses by plant; and

f. a description of any operating conditions

that significantly alter dispatch from being done on a "merit

order" basis.

* EEI: Edison Electric Institute.
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LT MERED ﬁfﬁéé expected to be

typical of the planaing ‘pe

5. Lose-0E-16ad probibilitics for each hour for the

next five to 10 years. 'I# theseare nottavailable, loss-o0f-
loadrprobabiiiti@s by month for day (peak) and night {(off-
peak) for tbe next five to 10 years.’

6. Planned production capacity additions for the

next five to 10 years and the timing of these units. Alsc,

the results of any long-range generation.OQtimum mix studies.

7. The planned capacity reserve margin over the
next five to 10 vears. fhe method of generaticn planning
employéd, e.g., yearly loss-of-load pProbability.

8. Long-range, five-to-10 yvear budgeted annuzl

expenditures for transmission investment in pregent~day dol-
lars, indicating, if possible, any dollars budgeted for re-
placement of retired plant and any unusual projects taking

place during the period.

9. Long-range, five-to-10 vear budgeted annual
expenditures for distribution investment in present~day dol-
lars, indicating, if possible, dollars budgeted for replace-

ment and/or reliability.

10. A tabulation of capital expenditures over the
last 20 years related to distribution plant broken down by
subaccount and by voitége level. Also, a tabulation of any
significant upusual expenditures during this period, such as

those related to major nonrecurring projects.
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11. The cost of a minimum demand distribution system
as outlined in Section VII-Z.

12. For the last 20 years, an analyeis of the con-
tribution to peak by customers by class and voltage level .
Also, the average and vear-end number of customers by customer
ciass, served from each voltage level.

i3. The capital structure that will be used to
finance projects undertaken during the planning pericd. The
cost of capital faced during the-planniﬁg period. A& descrip=-
tion of any accounting practices related to computing revenue
reguirements for ratemaking purposes (i.e., use of reserves
for rate stabilization, etc.).

14. The type of Iowa survivor curve that will be
used to estimate the dispersion pattern of the types of planned
investments. The service life that will be used for straight=-
line depreciation of planned investment, by type of investment
(i.e., transmission, distribution and generation by type of
fuel). If these data are unavailéble for planned investments,
supply information on the type of curve currently used and the
corresponding service life, by type of investment.

15. A detailed description of what comprises the
rate base.

16. A description of all taxes, or payments in lieu
of taxes, paid_to the federal, state or local governments.

17. A descripticn of any specific load research work

that has been performed. .
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18. An analysis of losses by voltage level for
demand and energy. )

19. A map of the éystem showing existing and pPro-
posed generator sites and transmission lines. ‘

20. Copies of the company's FPC* Form 1 for at least
the last five years,

21. Copies of the company's Uniform Statistical
Report for at least the last five years.

It is recognized that all of these data are not kept
in a usable Form by all utilities. 1In those cases where this
is true, sufficieﬁt data can usually be found to enable the
computation of reasonably precise estimates of marginal costs
that will clearly point out the direction in which costs are
moving. The existence of less than complete data should not

bar the estimation of marginal costs--it is better to move in

the proper direction than not to move at all.

* FPC: Federal Power Commizsion.
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Iv. SELECTING THE COSTING/PRICING TIME PERIODS

Our objective in establishing costing/pricing
periods is to simultaneously recognize major differences in
marginal cost over the load cycle and practical limitations
on the number of periods for which rates can be set.

Variations in marginal costs over the load cycle

“arise from two sources. First, there are variations in +the
expected marginal capacity (Qr shortage) costs and, second,

there are variations in the maréinal energy costs. Generally,
the expected marginal capacity costs and the marginal energy
costs will vary with one another over the load cyéie_ Similarly,
these costs will tend to vary directly with the probability
that demand will exceed available capacity during any particular
period. Therefore, probability that load will exceed capacity
becomes a primary criterion for developing costing/pricing
pericds with significanﬁ differences in marginal cost.

The lcogic of this approach becomes clearer if we
consider the causal characteristics of marginal capacity costs.
The marginal cost of capacity and reserve cannot simply be
charged to the peak hour. Rather, as we have explained in
our introduction, the-cosf must be assigned, in principle, to
each hour based on the relative probability that load will
exceed capacity in that hour. We say this because the various
planning criteria relating to reliability of supply take into

account the need for adequate capacity at all hours. While

the hour of»peak demand is generally the hour of greatest
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exXposure to outage, other hours do bear s riskwmalthough
usually . of a lesser magnitude. Simply put, during some hours
there is a greater risk that capacity will be exceeded than
in others. Thus, it is logical in principle, to aséign a
portion of the responsibility for the cost of the "last unit"
of capacity and reserve £o each hour in proportion to the
degree of risk that capacity will be excesded.

These probabilities are a coensequence of the plan-

ning process and can be computed even if a utility does not

use a probabilistic criterion for production capacity planning.

Those utilities which do use probabilistic methods
employ a variety of computational approaches (e.g., loss-of-
load probability, megawatt~days of shortage, loss~of-energy
probability) that embody the basic concept in a manner suita-
ble for use in a time-differentiated marginal cost study. In
terms of the conceptual background develcped in earlier sec-
tions of this report, the use of such probabilities is the
theoretically correct basis for the determination of relatively
hemogenecus costing/pricing periods.

In what follows, ﬁe will discuss the interacﬁion of
the theoretical and practical aspects of selecting costing/
_pricing periods and provide an ekample of how to select thé-

periods.’

® See Attachment A for an exposition of the logic involved in
this methodology. See also Topic 1.3, pages 57 to 538 and
77 to 81, ‘ .

7 Attachment A sets forth a simplified means of computing
loss-of-load probabilities.
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&. Reconciling Theory with Practicality.

In order to seleét costing/pricing periods, ideally

one would want to know for each hour of the year the absolute
probability that load would exceed electric production capac-
ity in that hour. The probability sought here must take into
account maintenance, equipment deratings, the probability of
forced outage and the probability of load variation about the
forecasted value. Since most utilities zre either part of a
power pool or have interconnections with other utilities, the

effects of such arrangements must be taken into account. It

iz quite likely that the appropriate probability will be that

h

of the pool rather than that of the individual utility..

In some pooling arrangements, however, planning
criteria are a mixture of physical and 1e§a1 regquirements, as,
fof example, when each member is reguired to maintain a fixed
raserve over and above 1ts own peak regardless of the time of
occurrence. The pool reguirements may be based on a more com-
prehensive analysis, but each individual utility will add capacity
based only on its own peak. In this case, and in the case of
a utility contracting with someone else for its total capacity
requirements, the relevant probability for purposes of assessing
capacity responsibility becomes the probability that any

individual hour will in fact be the peak hour, which is not

the same® as the probability'that load will exceed available

While peak-hour probability is conceptually different from
the probability that load will exceed capacity, electric’
systems with strong seasonal peaking characteristics will
tend to have similar patterns of loss-of-load probabilities
and peak-hour probabilities.
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capacity for‘each;ﬁgﬁgﬁ; 'sévbirCumstances, individual
appraisals’of-the:démpéﬁyié‘félgkibﬁ”tQthe pool and the
flexibility of the rules hé&é'fb*be*méaeia

It has been suggested that one could simply measur:
the relative size of available reserve capacity in each hour

and allocate capacity costs to pericds on that basis. While

such an approach has a certain appeal, based on simplicity

and ease of computation, it does not comport with the plannizg
process which serves as the basis for the costing methodology
proposed in this report. 7o cite a simple example, when the
planner forecasts energy output, he will always include an
allowance for the_pdssibility that a machine will be forced
out of service, whereas the measure of relative reserve would
ignore the probability ﬁhat the total reserve might not be
able to function (e.g., a combustion turbine expected to
start automatically may not do S¢) . We would take this
approach with great trepidation and bnly as a last resort.

In the traditional, nontime~differentiated approach
to costing for ratemaking purposes, there is a very clear
separation between costing and ratemaking. Theoretically
speaking, it is possible to maintain the same very clear

separation between these two elements when computing time-

differentiated mérginal cests. Pragmatically, however, it

© While we will recognize the cost-causative effects of
existing pooling arrangements because ignoring them could
lead to distortion, we feel that economically efficient
pooling arrangements should allow the use of the ideal
concept expressed on page 27.
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makes little sense to compute a cost for each hour of the

vear when one clearly would not attempt to price every hour

of thé vear. Therefore, we recommend +hat hours of relatively
similar costs be grouped together in a fashion that recognizes
sensible divisions between the hours of the day, days of the
week and seasons of the year, and that marginal costs be computéé
for these costing and ratemaking periods.

Thus, while it is of paramount importance that the
consumer be informed of the cost of the decision to consume
at any given time (hence the move towards time-differentiated
marginal cost pricing), a balance must be struck between a
precise delineation of time-differentiated costs that would
leave the consumer totally bewildered and an overall averag-
ing of marginal cost prices over time that would defeat the
purpose of using marginal cost price signals. In other

words, one faces a cost-benefit trade-off between consumer

confusion and economic efficiency.

In the course of evaluating this trade-off, con-
sideration must also be given to the fact that currently very
little is known about peak-period price elasticities. If
such elasticities were known, one could predict shifts in the
patterns of electricity consumption and compute the time-

differentiated marginal costs associated with the new patterns

of use. This is an iterative process that seeks an equi~

librium between demand at any time and the cost of supplying

electricity at that time.
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However, since'measurementsmo”+peak—period elastic-

ities are not currently availabie}ﬁéhe i£é£a£ive process must
occur cver time as the aéplication.éffmarginalicost.pricing
develops.!® as a starting point, we recommend a conservative
approach and propose to define the diurnal peak pericd in a rela
tively broad manner in order to avoid the risk of "peak. chasing"

until more is known about peak-period elasticities. In this way

movement towards the use of marginal costs as rates can begin
without precise knowledge of Peak-period elasticities and with a
very low probability that any first steps will have to be revers:

The foregoing does not mean, however, that one cannot

evaluate the risk of pricing a more narrowly defined peak. 2
gqualitative approach to this evaluation would be to compute
the elasticity required to cause a one- or two-hour load shift!!l
were the more narrowly defined peak used &% a costing/pricing
period. If an extremely small elasticity could cause signifi-
cant load shifting, caution is indicated. Conversely, if a
relatively large elasticity would be reguired to produce sig-
nificant load shifting, one may wish to separately cost thermor

narrowly defined peak. -

'Y See Topic 1.3, pages 45 to 48,

1l For example, consider a utility having peaks during the
hours 11:00 a.m.-1:00 p.m. and 2:00 p.m,~4:00 P.mm. with
a deep trough in its loagd curve between 1:00 p.m. and
2:00 p.m. If use during the hour between 1:00 p.m. and
2:00 p.m. were +to be charged a very low price, a shift
in lunch hours could cause such a load shift.
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B, Selecting the Periods--An Example

1. Seasomal Pericds |

ideally, the periods selected, should contain com-
penents of relatively homogeneous cosﬁ.cha:qqte;is?ics, but
should also make sense to the consumer. In othér words, we
must make a judgment as to the cost-benefit trade-off between
economic efficiency and consumer confusicn. The 1osseoffload_
probabilities (LOLPs) shown in Column (1) of Table 1 are illus-
trative of the monthly LOLPs that would be computed by a system
planner, t can ke seen that those grouped into the winter
period (October to March) are, with a single exception (January),
greater thanron@. Since January is in the miédle of the home
heating season, it does not make sense to propese that it be
priced differently than the rest of that season. Those months
grouped into the base running periéd {(April to September) are
relatively homogeneous and show no aberrations reguiring in-
vestigation. . In this case; the selegtion of seasonal costing/
pricing periods can be accomplished by inspection.

Table 1 a2lso shows the calculation of the relative
mean LOLP in each period. It is the pertinent relative mean
LOLP in each period that is used to allocate the capacity costs
of each of the segments of the system between periods.lz

2. Diurnal Periods

An inspection of the illustrative daily load curves

(Figure 1) shows that on Saturdays and Sundays the maximum

12 gee discussion in Attachment A.
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anticipated demand is only 65 percent of that anticipated on
the typical weekday. The only likely result of additional

demands on the weekend is an increase in the running cost. If

such an increase did occur, the running costs would be'adjusted
Since, due to the low lecad level, an increase in load would not

substantially raise the weekend probability of shortage in

relation to the weekdays, the weekend is considered to be part |

of the off-peak hour period. Similar logic applies to weekday
late night and early morning loads which are low in relation

to other daily loads.

Since we have no precise knowledge of elasticities,
the selection of when load is sufficiently high to indicate
the beginning of a peak period is largely judgmental. In-
tuitive;y, one recognizes that the high costs of changing
habits and social patterns will prohibit large shifts in load
to the weekend and night hours. In analyzing hours during
the standard five~day workweek, however, greater caution is
indicated.

The average daily load curve for the winter périod
(Figure 2) we are examining is roughly 70 percent of daily
peak through the hour ending 5:00 a.m. At 6:00 a.m., it
rises to 80 percent and to 90 percent &t 7:00 =z.m. The daily
peak for both the average and peak day ocecurs at 9:00 a.m.
A knowledge of the cost of heating and heat loss rates in re§

dences leads us to conclude that the peak pericd should begiﬁ




~33- Bay State Gas Company
D.T.E. 05-27

Attachment RR-DTE-89

Page 42 of 177

7:00 a.m. or a new peak will be created. Discussioﬁs with op~-
erating personnel, however, indicate that if the period begins
at 7:00 a.m. and the result is ﬁhat consumers will in response
start more heating at 6:00 a.m., the rate of rise in load be-
rween 5:00 a.m. and 6:00 a.m. will be too steep. As a result,
additional costs may be incurred to enable the system to accept
load at a greatéer rate. In this case, we would begin the peak
pericd at 6:00 a.m. The load will stay at or above 90 percent
of peak through the hour ending 9:00 p.m. By 10:00 p.m., it
drops to 85 percent and by 11:00 p.m. to 80 percent. In this
case, we would hesitate to end the peak period before 9:00 p.m.
but would not extend it to the hour ending 10:00 p.m. We say
this because at 9:00 p.m., the load is heginning to taper off
and the chance of establishing z new péak is diminishing.
Whilersocial patterns will inhibit large load shifts, the

area from 9:00 p.m. on will provide an opportunity for customers
-0 consume at‘offnpeak rates. If there were to be a signifi-
cant dip in load during the day, we would, perhaps, designate

a third period which would be aésigned a cost somewhere between
that of the peak and off-peak pe:iods=

Using the same principles as above, we choose a di-

- urnal period for the base season.
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V. MARGINAL CGENERATING COSTS

A. Capacity Costs

An electric utility must construct sufficient

generating capacity to meet its demand over the yvear. This
capacity will usually include a mix of baseload, intermediate
and peaking élant$. The system is not constructed to serve
only the peak. In fact, the generation mix and the resulting

capital costs of a system constructed to serve only the peak

would be guite different from a system constructed to serve
load patterns that utilities commonly face.

The determination of the marginal cost of generating
capacilty reguires an understandiﬁg of the planning process.
Simply put, the planner attempts to meet the loads depicted byfié
the load duration curve by choosing, from all plans capable of
supplying the anticipated loads, the least possible cost plan
The least possible cost plan is the plan that vields the

lowest present worth of all costs to be incurred over the

of the eguipment toc be used in carrying out the plan. To
accomplish this, the planner must choose from an array of
possible plants which vary in initial cost, expected life
running costs per kilowatt-~hour.

How does the planner choose the hest plaﬁ? He doesﬁ
so by means of a series of economic trade-offs between the

operating and capital cost characteristics of the available
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kinds of capacity and the requirements of the load duration

curve.'?

For each possible plant, there is a series of total

costs per kilowatt which rises according to the number of

hours the plant is used. As the number of hours of use
increases, there comes a @oint at which additional dperation

of this machine will result in a higher total cost than if

some other machine were to be used. ZLet us consider that
there are three kinds of equipment available:

1. Peaking units having Iow capital costs and high

running costs;
2. Cycling units having medium capital costs and

medium running costs; and

3. Baseload units having high capital costs and
low running costs.

The planner attempts to "fill® the area under the

load duration curve in the following noticnal way in crder to

minimize total cost:

1. Select an amount of baseload capacity such that

the minimum number of hours any unit of baseload capacity runs
~ is the number of hours at which the total cost of a unit of
baseload capacity is less than or equal to that of a cycling

unit.

1% see Topic 1.3, pages 51 to 58 and Attachment A (of Topic
1.3} for a discussion of these procedures in the context
cf a simplified model.
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2. Use an amount of,p?ﬁ%@hg capacity defined in a
similar manner. |

3. Fill the remaining area with peaking units. Addi-
tionally, if the planner was asked how he would meet an addi-
ticnal increment of load_dﬁring the peak period, his answer
always would be to use a peaking unit {(or some eguivalent low
capital cost alternative).

This is clearly inconsistent with the more traditional
view that the cost of capacity at the peak (or at any time) is
the average cost Qf all capacity required to meet the peak.
However, there is pragmatic evidence that this view is WIong.
The British Central Electricity Generating Board found that,

k, its Area Boards

il

when it charged average capacity costs at pe
found it economical to put in peaking capacity at a much lower
capital cost. Recently, the same issue has arisen in North
Carolina. Municipal systems are propesing to purchase combus-
tion turbines to avoid per-kilowatt charges developed by “"av-
eraging in" the much higher costs of baseload plants. Clearly,
average capacity costs are higher than the rsal cost of meeting
the peak.

It is necessary to determine the time-differentiated
marginal costs that increments in demand actually impose upon
the system. This can best be accomplished by turning to the
load duration curve and asking what increase in costs would
result from an increment in demand at any time. In the_short
run, before capacity can be adjusted, the marginal coét;is the

cost of energy for the hours served plug the shortage cost for
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ﬁhe hours nOt served. In the long run, after capacity has
been adjusted, the marginal cost is the cogt of energy plus
the cost of capacity at peak. In an optimal system, the long-
run capacity costs egual the short-run capacity costs; in fact,
the following are all egual on an annual basis:

l. The cost of the machine ussad o meet the

2. the long~run marginal cost of System peak
demand; and

3. the short-run marginal cost of system peak
demand (shortage cost).

In any real system, there are likely to be temporary
migmatches, if only because of the discontinuous nature of
plant adjustment. After a new plant addition, the short-run
capacity costs (probable shortage costs) will be lower than
the long-run capacity costs {cost of a peaker). As demand
grows, the probable shortage costs approach and exceed the
cost of peaking plant, triggering more capacity additions.
Rather than follow the short-run costs in their oscillations
around an equilibrium level, for tariff-making purposes we can
imagine & plant continuously adapted to demand in which the
~long-run marginal cost of capacity is also the aﬁpropriate

short-run cost of curtailment.

The marginal cost of capacity will be the cost of
that plant used to meet the load (at peak) having the shortest .

duration. In the case of utilities having a highly peaked
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daily load characteristic, the marginal cost of capacity'will
generally be the cost of a peaking plant. There will, however,
be situations in which even a utility having such a load
characteristic would never use a peaking plant, even in long-
run equilibrium. In such circumstances, it is said that the
peaker is outside of the cost e velcpe. This case is exeﬁplified
by a company having the long-term capability of utilizing stored
hydro energy (either impounded or pumped). Here we would £ind
+hat the capital costs would be higher than the cost of a
peaker and, conversely, running costs at the peak would be
commensurately lower.

Utilities having less peaked daily load characteristics

may also £ind the cost of a pezking unit to be outside cf the

b

cost envelope. This case is exem 1ified by a company in which
no portion of the load duration curve is of short encough dura-
rion that the least total cost method of serving the locad is

+6 build and run peaking plants. In this case, the cost of

the plant used to meet the peak of relatively long duration
should be used as the marginal cost of capacity. Running costs
at the peak will be lower than if a peaking unit were used.

Also, the capacity cost will be charged over a larger number

of hours since the relatively level load curve will probably
cause many more hours to.have a significant LOL2. A utility
with a véry high load factor may therefore show little varia-
tion in hourly responsibility for capacity~related costs.

The marginal cost of generating capacity must be

adjusted upwards to account for the reserve margin required
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to meet the planning criterion. The pertinent reserve margin

is not that which may pertain during some period of over- or
undercapacity, but rather that reserve margin that would be
required were load and capacity perfectly matched. The pur-
pose of this computation is to enable the ratemaker to relate
the cost of a kilowatt taken at the point of consumption to
thé installed cost of capacity required to serve the load at
an appropriate risk of shortage.

Problems arise with this approach only if there is
a chronic imbalance in the system. In cases of persistent
overcapacity, the marginal shortage costs associated with
prices based on long-run marginal costs and the consumption
levels resulting from such prices mighﬁ be very small. In
these circumstances, we might want to depart from long-run
marginal cost pricing in favor of short-run marginal cost
pricing so that the installed capacity can be utilized effi-
ciently. 1In such cases, the resulting cost of additional
demand will not be the cost of building new peaking plant but
+he cost incurred by not retiring older, less efficient genera-

ting units. The components of this cost would be the manning

and maintenance expenses, insurance, real estate taxes and

foregone salvage value. This “"overcapacity”'"* should only be
kept in service if such costs are less than the probable short-

..age costs that would result from retiring the unit.

'*  gSuch capacity may also exist on another system, in which-

case its cost will be determined by the marketplace or by
regulatory fiat.
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Again, the marginal cost of generating capacity
must be adjusted upwards to account for the reserve margin
required to meet the planning criterion. The procedure in
cases of chronic overcapacity would be to reduce the rate
below long-run marginal cost so as to satisfy two criteria.
Pirst, the rate should not be reduced belcw the marginal run-
ning costs (energy plus other operating costs, including the
cost of not retiring the plant); and, second, the rate should
be reduced until enough additional consumption is encouraged
so as to eliminate the excess capacity situation. I there

+the relevant

kg
81
)
u
}J
I

is rather substanitial excess capacit

demand elasticities are small, this approach may simply yieid

‘.J

the result that the short-run marginal cost is egual to the
marginal running costs only.
Such an approach should be taken only with great

caution. Since we expect that, over time, excess capacity will

be eliminated, short-run marginal cosis will necessarily rise
roward long-run marginal cost over time. This means that prices
based on short-run marginal cost will also rise as the excess
capacity is eliminated. Tf such an approach is to be taken,
consumers must be informed that current prices are not good
predictors of future prices. In fact, they should be informed
that it is expected that prices will rise over time as the
excess capacity is eliminated. This will enable consumers to
make long-run appliance decisions intelligently. These factors
make a short-run marginal cost approach difficult to administer

both in terms of exgression {(because of their changlng nature)
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where we have capacity imbalances, and in terms of providing
consumers with good long-term signals for making long-term
appliance choices. Except under extreme conditions of excess
capacity or sbortages of capacity, we would therefocre recome
mend that prices be geared to the long-run marginal cost of
capacity.

There are two cther kinds of imbalance that will
affect the marginal generating capacity cost. These kinds of
imbalance do not necessarily involve ovexrcapacity. In the

case of the Eastern utilities which were plunged into non-

of facilities that is out of balance. As nuclear baseload
plants come on line, relatively new and relatively high-eff-
iciency oil plants will be pushed up the load duration curve.
On systems having relatively high load factors, such machines
might be used in cyclic fashion (i.e., they might be run for
a week or for a month at a time) to meet peaks. In this case,
the marginal cost of capacity could be the cost of not

retiring such units as have been described above.

n the

*—'k

The other kind of imbalance can be found
northwestern part of the United Btates where there apparently is
sufficient hydraulic peaking capacity but an insufficient
amount of water to meet total annual energy reguirements. In
this instance,. it is possible that the marginal cost of capacity
{(i.e., the addition of a waterwheel generator at an existing

dam site) will be less than that of a combustion turbine.
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B. Marginal Energy Costs

In this section, we will, first (a* the risk of
being repetitiocus), briefly examine the relationship between
the planning process énd the way in which the system actually
expands in order to set the stage for the determination of
marginal energy cosgts:; second, define the costs we seek;
third, discuss the various data generally available; and,
finally, present a sample computation.

The planner tries to meet forecasted peak and
energy requirements by means of the least cost combination
of existing eguipment plus future additions of eguipment rep-
resenting current bast technology at currently known costs.
As a result, the zggregate mix of electric production egquip-~
ment should asymptotically approach the optimal mix that would
prevail if the system had no history. However, it seems clear
that this will probably never be achieved at ény single
point in time--rather, the system configuration will os-
cillate about the desired mix because load grows in roughly
a linear manner while capacity is added in lumps. 1If, for
exanple, a group of peaking turbines is added, it will in-
itially have more capacity than is immediately required.
During the construction lead time reguired to build the next
plant, these peaking turbines will run longer tc mest the in-—
creasing load until such time as the next plant comes on
line. At that time, turbine running hours will be drasti-

cally reduced. Over a span of five to 10 years (the
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planning horizon), each type of machine tends to run the opti-
mal number of hours that would be derived from tha sim@lifie&.
model developed in Topic 1.3 (see footnote 13) given the costs
peculiar to a given system. The degree to which this situation
will not prevail ‘depends on such things as coperating constraints
and the degree to which estimates of future costs are accurate.
The foregoing suggests that marginal energy costs must be

viewed over a period of time rather than at a particular point
in time.

The tumult caused by the abrupt threefold oil price
increase of 1973 threw many systems on the East coast, which had
relied on imported oil, into a nonoptimal situation with respect
to fuel. This situaticon will persist over the life of exist-
ing generation facilities. In such a case, the price signal
given by marginal energy prices should reflect the fact that
these systemé will remain in a nonoptimal state for guite a
while and should be based on the expensive oil that these utili-
ties will be burning to serve load. To signal that nuclear
enexrgy is ﬁarginal (when.this will not be true in scome cases
for possibly as long as 20 years) would be to invite the con-
sumption of an expensive and scarce resource at a reduced
price. The same principle may apply in other areas of the

country where environmental restrictions are dictating the

‘use of expensive fuels.

Using the simplified model, we can see that for a typ-

ical thermal system, in equilibrium, the marginal generating cost

o
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at any hour is given by the energy cost of the last machine on
line at that hour, plus the share of the marginal capacity cost
implied by the relative prcobability that lcad will exceed capacity;
during that hbur. To determine the marginal energy cost (also
calied the marginal running cost) at any hour, we simply have
to determing the fuel and variable operating costs of the last
machine on line--generally, the machine with the highest run-

ning costs in operation at that hour. Many companies project

these data for several years in advance as a part of the plan-
ning process. The concept is also familiar to utility dis-

iz often referred tc as the system "lambda." It

[aN

patchers an
is calculated as the cost of the next increment in load and

is often the basis for economy interchange transacitions. (There
may be cases where cur marginal energy cost departs from the

way some utilities calculate gystem "lambda,® a éomplication

we will discuss after reviewing a straightforward example.}

pirect Calculation from Production Cost
Modeling Program

1

-

The determination of the marginal running cost for a
prospective period is based upon a modeling of the system's
operation. These data are usually availablefin some form from
a utilityv's production cost modeling program. Ideally, one
would want to design a model that, for each hour of the year,
would consider the expected load, available capacity (given plann%
maintenance and forced outage) and the uncertainties of the fore%?

casts and would then compute the most likely cost of anmadditionﬁi
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increment in load for the hour. In the absence of the ideal,
we have developed a methodology that uses data generally availa-

ble to estimate the hourly costs.

2. Fgtimation When Direct Calculatiocon Is Not
Fegeible

The basic inputs to this computation are a monthly
load duration curve and a monthly production cost modeling
program that accounts for forced outage &s well as planned
maintenance. This program must also provide an estimate of
the kilowatt-hours generated in the month by each unit or the
expected number o¢f hours each unit was on line in the month.

If the program supplies the hours run in each month for all

units, by assuming that the units are loaded economically and

that more expensive units are taken cff line as load decreases,

it is possible to construct a marginal energy cost duration
curve that ig compatible with the load duration curve. If the
program only supplies éach unit's generation, it 1s possible
+o stack the generation under the area of the load duration
curve, placing the least costly units at the bottom and de-
termining for the various segments of the load duration curve
what unit provided the last increment of demand. Once the

marginal unit has been determined over the range of the load

'gu;ation curve, a running cost is assigned to each unit.
_iééally this will be the fuel cost per kilowatt-hour based

upon the incremental heat rate at that stage of the unit's

loading, but since data for this calculation are frequently
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not.avéilable, we have in the past generally used a unit's
- average heat rate.

3. Opération and Maintenance Expenses

The energy-related portion of operation and mainte-
flance expenses per kilowatt-hour should alsoc be included in the
running cost. Essentially, power precduction and maihtenance
expenses will be related to +he existence of the plant and re-
main fixed, vary with the rate at which the plant is used in
relation to designed maximum capability or vary with the total

energy output of the plant. The first type of expense repre-

sents a carrying Charge or cost of having the plant; the second
represents a demand (capacity) charge {(the result of & short-term
pushing of the machine to the point where maintenance cests
arise); and the third Tepresents a cost which, like fuel, isg
relative to total €nergy consumption. This last component is
what should be included in the marginal running cest. It can
be estimated on a kilowatt~hour bacis by an analysis of the
FPC power production operation and maintenance accounts. Fo:
example, the maintenance of boiler plant will, in part, be
caused by demand and in part caused by continued usage. Since

each company has different plants ang different methods of

operation, the relative proportion of expenses to each cate-
gory, on an account-by-account basis, must be determined by dis-

cussion with the operating personnel of individual companies.
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4. Grouping and Correcting for Inflation and Trends

The data at this point may be actually or potentially
hour-by-hour marginal cost daté over a five- or ten-year period,
but since the eventual rates will not vary hour by hour, the
costs are immediately grouped into those periods which hgve.
been tentatively selected as pricing periods.‘ This 1is done by
weighting the marginzl cost for eaéh hour by the total hourly
load and deriving a weighted average marginal energy cost for
each pricing pericd. We are now in a position to see the
pattern of time-related marginal costs over the planning period.

A review of these data over several years usually
will reveal two tendencies: first, if inflation is expected
by the planners, the expected costs will be rising. Since
we are interested in the current costs, we first correct the
data, using the general price level deflator usad by the plan-
ners, to obtain a series of constant prices. These prices will,
however, still reflect the planners'® expectation of relative
price level changes between the various fuels. When this is
done a second pattern becomes evident. In a well-adjusted sys-
tem, the costing period marginal running costs (in constant dol-
lars) tend to rise and fall throughout the planning pericd be-
cause, as explained on page 42 of this section, capacity addi-
ticns are made in discrete un}ts, while growth in load is
roughly linear.

It would be possible to make rates which followed

i

the oscillations of these costs around the equilibrium level, -
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but there would be little point in doing so. In looking

over a five- or lO-year period at the pattern of costs for each
each time of use, we simply smooth these variations aroﬁnd

the equilibrium level in order to make a *ariff which re-
flects, for each daily or seasonal costing periocd, the

central tendency of the marginal energy costs for those

hours (in .constant dollars).
We now turn to less well-adjusted systems such as

those in the eastern part of the United States. After ac-

counting for general inflation, we will mos® likely find a
trend in marginal running costs, as opposed to the oscillating
pattern described above. The reason is that relatively effi-
cient oil-fired baseload plants will be pushed up the locad
duration curve by nuclear plants, resulting in the displaCEm
ment of peaking units. This latier ef feCt will come about

because the stretch-out of construction lead times durlng

the recent past caused some utiliities to overinvest in peask-
ing capacity.

C. Example of the Computation

Figure 3 shows the derivation of a cost duration
curve for a typical utility for the month of July and the‘
estimation of weighted average on- peak and off-peak marginal
running costs. This procedure should be used to develop the
welghted average peak and off-peak marginal running costs
for each month. From the results of these computations, cost-—
ing period weighted average marginal running costs should

be computed. Table 2 shows the costing period marginal
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running costs resulting from the compufation. These costs

are deflated to constant dollars and the resulting marginal
running costs in constant dollars are averaged over the period
to give the central tendency.

In the final section, where we “put it all together,"
it will be described how marginal energy costs are adjusted
for administrative and general loading factors, discussed in
Section VIII-B, and for losses, discussed in Section X. The
order of magnitude of these adjustments to marginal energy
costs is betwesen 2 to 4 percent and betwesen 10 to 30 percent,
respectively.

D. Problems in Application

1. EBydro Systems

Our analysis of hydro costs has been outlined in
Topic 1.3: £for systems with both hydrc and thermal plants,

the marginal cost can be imputed by examining the planning
and operation of the system. If hydro is being dispatched
above a two-mill machine and below a three-mill machine, we
éssentially evaluate the hydro at between two and three milis.
&he precise value imputed depends on the number of hours the
ﬁydro is marginal. S&ince dispatch plans usually treat hydrau—'
1ic energy in an aggregate fashion, it is necessary to impute

énergy cost to hydraulic energy for each of the costing/

ricing periods (previously selected) during which this energy
5 marginal.
For costing purposes, hydro can be divided into .

ree basic types: run-of-river, pondage and pumped storage
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{(which will be disqussed';gteéiii ?be first, run~of-river
hydro, is power which the utllltymhstelther take or forego,
It cannot bhe stored and'mQXimé%"uﬁglization is obtained by
taking as much energy as possible. | Whenrruﬁwof—river ﬂydro

is the marginal source of production, it should be costed at
solely the variable operation and maintenance expense of
additional producticn. Very rarely would this energy'be.mar~
ginal. For such to be the case, it would mean that the utilit
was spilling excess water énd, as demand increased, it increas
production at zerc marginal cost by passing more water througt
the turbines.

The second type of hydro, pondage, is much more
likely to be marginal. This is hydro energy that can be
stored. The utility has a fixed basin and amount of water
and, again, is limited by total energy but can decide when
to take the energy. Maximization.of this source is obtained
by scheduling the take to displace as much high-priced fuel
as possible.

One of the more difficult tasks in evaluating hydro
enerygy is simply determining which facilitates are run-of-rive
and which are pondage. During freshet, wheh storage basins
begin to overflow and water must be used or spilled, facilitie

that one would normally consider pondage are operated as run=-_

of-river. The only accurate guide in evaluating hydro energj;
is the system operation. While views on the costing and pric=

ing of hydro will differ from company to company, the basis

-
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for dispatch will be the same--minimizing total cost by dis~

pilacing expensive generation.

The basis for costing this energy then becomes the

cost of the displaced energy. Depending upon the extent of

the system's hydro operation, we may be able to analyze polnts
along the load cﬁrve and determine what enérgy is béing dis-
placed. For exanple, if it i§ clear that hy&ré is.used only
ro meet a porition of the 10ad curve for which combustion tur-
bines would otherwise be used, the marginal cost of that
portion of the loazd curve for which hydro is marginal should

be the cost of & combustion turbine. Similarly, whenever it

is possible to accurately identify what energy ig being dis-
placed, hydro can readily be costed.

However, this is not aiways possible. 1f a company

hag a relatively large amount of hydro capacity, rather than

attempting to identify the displaced energy, wWe C2n treat the

nydro as a plant with its own cost characteristics lying

somewhere below the running cost of a peaker and above the

cost of an intermediate. tn this case, we must impute a cecst

+o the hydraulic energy. How can this be done? We must as-

sume that, in principle, the aim is to schedule the water ©o

displace as much high-priced fuel as possible, within the

1imits of the plant's own capacity and water supply. Using
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+the thecries explained in the NERA simplified model of the

generation system,'® we construct the diagram below.

Eydro
{I+ih} ]
]
! é
l [
f |
| |
‘ z
| N
h, by HOURS
Where:
P,p are capital and running costs of CTUs,
B,b are capital and running costs of thermal coal,
1,1 are imputed capital and running costs of hydro
h ,h are minimum and maximum number of hours run
1° 2

by hydro.

5 A further discussion of the NERA model can be found in
Topic 1.3 on pages 51 to 58.
sented in Attachment A of Topic i.3.

* CTU: Combustion Turbine Unit.

The model itself is pre-
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The total cost curve for each type of machine
starts at its annual fixed cost per kilowatt and rises OVEr

hours used by its variable cost per kilowatt—hour. The least

rotal cost machine for a number of hours is the machine whose

+otal cost curve is closest to +he horizontal axis. 1In this
case, B, b, P and p are Known. By determining, O if necessary,
estimating, h1 and hz, we can solve for i, the imputed running
cost for hydro. Based on +his diagram and method, we will

use hypothetical figures to demonstrate the calculation.

Assume that the running COStT of coal plant is 11

mills per kilowatt—hour and the running cost of a CTU is 48
mills per kilowatt-hour. Assume an annualized capacity cost
of $32.25 per kilowatt for coal and $16.45 per kilowatt for

a CTU. Hypothesize that CTUs ran 100 hours and hydro operated
3,900 hours. returning to the notation above:
$32.25

16.45

11 mills

48
100 hours

hoh

il

5 DU row
it

= 3900

We see that B-P = (h2 - hl)i - hzb + th‘ Solving for i; the

imputed running cost of hydro, we have:

16.45 = (3,800)1 - 3,900(0.011) + 100(0.048)

32.25 -

15.80 = 3,8001 - 42.85 + 4.8
53.90 = 3,8001

0.014 = i.

The-running cost imputed to hydro is 14 miiis. This method

has the effect of costing all pondage hydro at one level and




—-B4- Bay State Gas Company
D.T.E. 05-27

Attachment RR-DTE-89

Page 63 of 177

is only suitable to systems where all pondage hydro is oper=-

-
%
i

ated in a similar fashion. It blunts the time-differentiated
cost to systems who operate hydro partly like a turbine and
partly in the manner of an intermediate machine.

Pumped storage hydro is similar to pondage except
that the actual cost of pumped storage is hicher. The fuel
cost of a pumped storage kilowatt-hour is the fuel cost of the
+hermal machine used for pumping adjusted for efficiency.
Thus, to be economical, pumped storage energy must displace a
machine with a higher cost than its own efficiency-adjusted
cost. This is the trade-off upon which the decigion to pump
and releasé is-based. Yet, once the pumping has been done,
the aim is to use the potential energy in a way that displaces
the highest priced fuel. The principle of costing pumped
storage is, therefore, the same as costing pondage. It must
be remembered, however, that pumped storage rescurces can
usually be replenished regularly, whereas pondage will be
cubject to seasonal variation. This often will result in
pumped storage being economic to displace lower cOSt energy
than conventional pondage and having a lower imputed energy(

cost.

2. System Lambda and Marginal Running Costs
In systems which compute the dispatch cost for each
hour of the planning period, a problem may arise in interpret-

ing system lambda as the marginal running cost for the hour
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because the dispatch engineer may have in mind not only the _ ]

load at the hour in question, but also the bulld-up of the

ioad expected over the day. An expensive machine may be

brought on early (because its characteristics require it to
be fully loaded) even though it is only needed for the peak

load, and thereafter a cheaper machine may be used because.

of its greater flexibility to meet the increments in load as ' .

the peak is approached. 1In this case, the system lambda for

a particular hour may be thought of as comprising not only the

marginal costs for the hour in guestion, but alsoc an antici-

pated cost for the later peak hours and, some adjustment may

have to be made, particularly when the hours fall in different

time periods. The question to be asked is, would a change in

demand in any other hour affect the loading in the hour whose

costs are being measured? If so, the system 1ambda‘does not
measure only the marginal cost of the hour in question and
must be adijusted.

Further complications in the assessment of marginal

energy costs are caused by operating constraints. It must be

kept in mind that the marginal energy cost at any hour 1is the
cost that will be incurred by an increase in consumption, or {
saved by a decrease in consumption, at that hour. Although |
this will generally be the cost of the most expensive machine

—on line, there are three common cases where t+hisg 1is not true.

First, many machines cannot be cycled over the course of a

" day. Therefore, a unit which is needed to provide capacity
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during the peak hours may ncot be taken off line at night but
is kept operating at a minimum loading. The loading on this
machine will be neither decreased or increased in response

to demand at other than peak times and, although it may be

the most expensive unit on line, it is not the marginal ma-
chine. Second, for purposes of area protection and maintain-
ing voltage throughout the system, utilities will run plants
at key locations even though they are not the lowest cost
source of energy. Third, combination steam-electric utilities
will often run older plants to provide steam. Once again,
these units will not respond to changes in demand for elec-
tricity and are not marginal units.

Undoubtedly, there will be companies in which other
preblem situations will arise. Intuitively, whenever mar-
ginal energy costs abruptly dip as the load increases or
abruptly rise as the lcad decreases, the methodoclogy in use
to determine the marginal unit and the cost of that unit
should be questioned.

3. Short-Run/Long-Run Considerations

When systems are far from optimality due to excess
capacity or a noncoptimal plant mix, we might want to consider

the use of short-run marginal ener costs.'® TFor example,
g gy P

1§  gimilar consideraticns regarding computation, administra-
tion and consumer informaticn arise here as in the dig-
cussion of excess capacity on page 40.
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an oil-fired system which is adding nuclear plants in ordexr
to displace oil may develop a large excess of capacdity which
is entirely justified by +he economics of the system (as
when the total capital and operating expenses of the nuclear
plant are jower than the fuel cost of the 0il plant). In
this case, marginal energy costs over-the planning period
should be'falling~towards its long-run jevel, while &he
short-run capacity cost is very low because of the eXCess
capacity at the beginning of +he period and rigses towards
its long~rﬁn level. Here 1t may be appropriate to have the
rate reflect the fact shat it is high-cost oil which is being
consumed to produce energy rather than the long-run enerdy
cost which signals the arrival of cheap energy (which may not
rake place for a long time).

We generally recommend computing the average of
+he marginal energy costs over the planning horizon. Excep-

rions to this general racommendation <an be made in the light

of particular circumstances.
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VI. MARGINAIL TRANSMISSION COSTS
In this section, we look at the investment in trans-
mission facilities and at the operation and maintenance (0O&M)
expenses associated with these facilities. Once again; we “
will return to the planning process to show why some trans-
mission investments should not be treated functionally as
transmission, and to explain why transmission investment is

a marginal cost and how it should be calculated. We will ex-

plain the theoretical underpinnings of the calculation, pro-
vide practical guides and a sample calculation, and discuss
some problems of which the analyst must be aware.

A. The Nature of Transmission Investment

There are two categories of transmission . investment
(and associated O&M) +hat are more properly attributable to
the generation function than to the #ransmission function.
These are, first, those costs incurred to utilize sources of
cheap energy available only at locations remcte from load
centers and, second, those costs associated with the estab-
lishment of power pool-related EHV grids which reduce indi-
vidual utility generation reserve regquirements.

In the first case, the decision +o build these
facilities was based on a trade-off between building a plant
close to a load center (with no transmission) utilizing an
expensive energy source and building a remote plant utilizing

an inexpensive energy source plus the cost of transmission.
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7 the planner

Using the concepts of the simplified model, !

would formulate the following eguation: ‘
N

G. + T+ eh < G+ eh

r

G = Generator Investment

T = Transmission Investment
r = Remote '

e = Energy Cost

h = Hours v

which shows that it is less expensive to reach out for the ﬁ

cheaper source of energy.
in the second case, the individual members of the

pool found that, Ly investing in an EHV qrid, they could pro-

. vide the desired level of reliability at a lower cost {through |

diversity) than would have been the case had each utility

carried additional generating reserves. In both cases, these ' 1

costs should be excluded from the analysis of transmission in-

vestment. ®

The analysis of marginal rransmission investment

seeks to express the unit marginal cost in transmission facil-

ities resulting from an increment or decrement in load. To

+his end, we ask, what are the causative factors of investment

in transmission facilities? What system characteristics are

17 gee Attachment 2 of Topic 1.3.

8 7This does not mean +hat these costs have been ignored bhut
rather that they are reflected in the cost of energy and
the cost of reserves. For example, the fuel savings
resulting from a remote generation site utilizing an in-
‘expensive fuel is an offset to the capital cost of the
plant and its associated transmission facilities. §
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responsible for an increase or decrease in the amcunt of
transmissicn invesiment?

The chief aim of the transmission planner is to
ensure'that an adeguate amount of power can be deiivered.to
all points on the system at all times. To this end, the
planner designs a system éapaﬁle of seiving the worst possible
case, that is, tramsporting the peak load under outage {(con-
tinQencY} conditions.

Thus, the capacity of the transmission network 1is
determined by the peak load on the systenm and the outage con-
ringency employed in evaluating transmission system resliability.'é
Assumiﬁg that the cost of reliability properly raeflects a
trade-off with the cost of outage and will remain constant
relative to total transmission investment, the capacity of the
rransmission network will vary with the expected size of the
peak demand. The proper marginal unit cost for transmission
investment, therefore, is a cost per kilowatt of system peak
demand. Such a cost, when rranslated intc a rate, will give
the consumer the proper price signal as fo.the cost effect of
his probable contribution te system peak on investment in
transmission facilities.

High voltagé transmission facilities consist of

large, expensive components. A utility does not bulld trans-

m&5510n fac111t1es to a” 5p°01f1ed peak level and then add smal
additions as load grows +o enlarge the system's capablllty

Tnstead, the planner, working from a set of forecast“p@ak

-
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loads, designs the system that will, over time, yield the

ieast total cost. The planner accomplishes this by choosing

+he number of corridors, the size of corridors and the trans-
mission voltage level that most econcmically transport the
loads he expects to face. As voltage levels increase, the i
cost of corridors,-towérs and conductors all rise. With
s certain load densities, economies ofrscale may result from
higher voltage rransmission. The per-kilowatt marginal cost
of transmission investment is, therefore, not necessarily a
1inear function. We can see from the foregoing that trans-
mission investment tends to be lumpy. In order o treat these
lumpy additions'as though they were more flexible and could
he had in very small increments {see footnote 1 oOn page 14),
it is necessary to look at them over rime in order to develop
the marginal unit cost of capacity. The unit marginal cost
we seek may be thought of as the unit cost of putting in
place-—-all at once—-—the transmission capacity necessary to
serve the aggregate system peak. Thus, in what follows, we
are not attempting to cost growth.

B. Calculating Marginal Transmission Investment

As the nature of transmission investment is such
that 1t can be - causally related to peak demand, one would be
jnclined to calculate unit marginal ryranemission investment

by simply dividing incremental additions to transmission

plant by incremental additions to peak load. unfortunately, ?

there are many factors that prohibit blindly applying such a .

R
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calculation. Transmission investment is, first of all, of

an uneven nature. Major projects may take several years to
complete. To a large extent, transmission capacity is built
not only to serve existing demand but also demands expected
several years intc the future. The simplified approach
described above, therefore, does not necessarily y;eld the
correct level of long-run marginal investment in transmission
facilities.

To avold some of these problems, ﬁe have several
basic ground rules that we use in developing unit costs for
tfansmission investment. The first is to investigate a time
period of sﬁfficienF length such that lumpiness of investment
or temporary aberrations in peak-load growth will not distort
the result. 1A second consideration is that the chosen period
consist of both an historical period and a future period. An
analysis of the historical period wculd allow us to see what
actually has happened, while an analysis of a.future pericd
would allow us to see not only the effects of a given peak-
load forecast on future plans, but the effects of historical
additions as well.

The third ground rule is to unitize additional in-
vestment on the basis upon which that investment was planned.
This third rule may seem confusing after we have previocusly
stated that" transmission planning is done on the basis of peak
demand. The point is that, over a particular time period,

considerations other than additions to system peak may have

=
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been the basis upon which incremental rransmission investment
was planned. For example, in & system +hat is building up or
or running down the reserve margin, the capacity added to the
transmission network at any specific time ma§ not be related
+0o peak_a&ditions. In such a case, the additions to transmis-
sion capacity may more properly be related to additicns to
generation capacity. Only in the long run, when the incremen-
tal reserve margin approaches +he desired system reserve mar-
gin, will additions to peak load properly reflect the planned
increase in the capacity of the +ransmission network.
after having chosen the proper time period, the

analyst must cenvert all expenditures to & constant dollar
base. Historic expenditures can be adjusted to constant
dollars using a widely accepted index cuch as the Handy-
Whi+man index, ©Y preferably, if data are available, an index
based upon the experience of the particular'utility. Future
expenditures can be converted to constant dollars by removing
+he escalation that the planner has factored into his esti-
mate. All capitalized costs (particularly intersst during
construction) should be inciuded in both historic and projected
data.

| Next, the analyst must refer to our third ground
rule. Haviﬁg calculated the constant dollar investment in
ﬁransmission over an appropriate span,Ashould he determine a
unit cost based on system peak additions or generating capacity

sdditions? If the incremental reserve margin over the period-

-
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is roughly sguivalent to the long-run desired reserve margin,
he should, as the ground rule suggests, unitizse on the basis
of system peak additions. If the incrementdl reserve margin
is not in line with the long-run desired reserve margin,
generating capacity additions are probably a better gdidé'to
the level of marginal transmission investment. |

Table 3 illustrates the calculation of marginal
transmission investment.‘ Note that alllbosts are expressed
in 1875 dollars. A pericd of five historic and eight pro-
jected years has been analyzed. A unit cost is developed on

the basis of additions to system peak demand because in this

anaiysis the incremental reserve margin does not differ from
the long-run reserve, and a discussion with system planners
supported our feeling that incremental transmission planning
was being predicated upon system peak demand additions. The
costs for the two periods are similzar, and the long-run leﬁel
that we choose is the cost over all 13 vears. Remember,; if
the unit cost had been developed on the basis of generating
capacity, it would have been necessary to adjust for the long-
run planned reserve margin. While this may seem confusing{
it must be kept in mind that the capacity costs offered to
the ratemaker should ke expressed in terms of costs per
kilowatt of peak demand and the cost of reserve should be

inciuded.
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An alternate approach is a straightforward engineer-
ing cost estimate,’® in constant dollars, of constructing (a) a
mile of line at the various voltage levels, and (b) switching
stations, including per-Kva costs of transformation between
transmission voltages.: These estimates are multiplied, respec-
tively, by miles of line, number of switching stations, and
Kva of transformer capacity; the results are summed and divided
by the increase in demand on the system over a prospective
or past period in order to arrive at the marginal cost per
kilowatt on the transmission syétem, A similar computation
can be devised with regard to operation and maintenance
expenses. 1f it were true that a system was only adding
i0ad by extending its territory, this would be the preferred
method to use. However, most systems are growing internally,
which requires reinforcement of existing circults and sta-
trions; a "physical units" approach is, therefore, difficult

to apply unless adeguate records or detailed plans are

available. For this reason, we prefer the first me@hod.

In the secticn on distribution costs, we éill dis-
cuss analyzing marginal unit costs using statistical techniques.
We have not yet encountered a situation in which the statistical
method was suitable for the analysis of transmission costs.

Whereas ithe distribution system can, so to speak, be had in

small components and continually be reoptimized to accommodate

i% ©9The estimate is based on a cempany's particular construc--
tion practices and cost circumstances. These costs are .
generally the basic components of budgeted expenditures.
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s /
changing demand patterns, the lumpy nature of transmission
investment (see pages 61~62) seems not to lend itself to a

time serles regression analysis.

‘ The marginal cost determined by our methodology re-

presents the long-run level of the contribution to marginal
cost of a kilowétt._ It incorporates the long-=range decisions

of the planner and, given constant technology and a reasonable

degree of accuracy in the load fotecast, the marginal cost
will be stable. At any given point in time, the cost of an
additional kilowatt may not be egual to our marginal cost.
For example, there will be a point where a specific rise in
demand caﬁSes a utility to construct a line on a new right-

of-way at an additional unit cost much greater than the long-

run mafginal cost. Conversely, there will be a point in time
when load is added with no resultant need fox.new transmission
facilities. Some would argue that the cost of this lcad comes
to zero marginal cost. What must be remembered is that we
seek to determine the marginal cost and not a short-term cost
of growth. The marginal cost is reléted to the state of
technology and the design standards of electric utilities.

t cannot be determined just by analyzing expenditures over
an arbitrary time period. This is particularly imporfant in
the case of t;ansmission investment where expenditures are
often unevenlyv timed and, thus, adherence to our three basic

ground rules 1Is essential.
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C. ©Problems In Calculating Marginal Transmission
Investment

While the methods described above work reasonably

well for*moét_utilitie§, there are some particular gquestions
that are encounfered often enough to merit consideratién by
the analyst.

o Are there expenditures iﬁ the ;;ansmission budget
not related to incrementé in deﬁaﬁd?MMSu;h expenditures are
projects necessitated by road widenings and other govern- |
mental actions. The analyst should look at the transmission
budget with an eye toward eliminating all expenditures not
related to incremental demand. This distinction is not always
easy to make. For example, if a governmental body ruled that
all transmissicn lines sﬁduld be placed underground out of
respect for the aesthetics of the community, the following
rules would apply. The cost of new transmission facilities
would be increased to reflect internalization of social costs
that are properly included as marginal costs. Budaeted ex-
penditures related to undergrounding existing facilities are
in no way related to the marginal demand costs and are not
properly included as a maﬁginal cost with respect to demand--
they are retrofitting costs. The analyst would be faced with
the problem of segregating such expenditures.

| Are there expenditures related to loads added out-
side of the period being considered? Even after the analyst
has determined whether to use peak or capacity additions as |

his divisor, he must see if any expenditures are directly
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related to loads outside of the period. If, for example, ex-
penditures for construction of a line designed solely to serve
a generating station that will not be in“operation until
several years past the end of the period under cﬁnsideration
are included in the.bu&get they should be removed.

Are there budgeted costs associated with moving lines
and replacing poles? The dollar expenditures for these DUrposes
are obviously not related o changes in demand and, therefore,
should not enter our analysis. However, +he probability that
such expenditures will be required should be taken into
account by Qonsidering the dispersion of retirements about
the expected life of an investment.

Finally, does the analyst properly understand the
accounting system? Does the accounting.system arbitrarily
classify a transmission voltage as distfibution? Are charges
for pool dispatch collected in_transmission operations accounts?
Do they belong there? In traditional parlance, we must pro-
perly functionalize béth investments and expenses before con-
ducting a marginal cost analysis. An area in which we must
be.particularly careful is that concerning transmission agree-
ments with other utilities. It may be that a company has
designed its transmiésion facilities to accommodate another
ccompany's reguirements as well as its own. Does the construc-
tor of éhe line-redeive payments for capacity used? If so,
it is the net cost of the line that is sought. . Or it may be

the case that two companies have an agreement to exchange .




-H9- Bay State Gas Company
D.T.E. 05-27

Attachment RR-DTE-89

Page 78 of 177

capacity in one line for that in another. In this case, the
correct capacity must be found in order to unitize costs.

On Table 4, our original example is expandéd in
order to illustrate how some of the conceptual aspects dis-
cussed earlier, as well as zome of the problems raised here,
should be handled. On this table, we note that there is the
utilityfbﬁilt transmission which relates solel? to remote
generating facilities. Such “coal¥by~wir@“ expenditures are
removed from total additions to transmission plant since their
cost was a part of the trade-off betweern different energy
sources. Similarly, there are minor eip@nditures for trans-~
mission stations'related golely to interconnections mandated
by pooling agre@ments. The benefit to the utility‘is a re-
duced reserve margin. These éxpenditures are also gliminated.
Finally, we see expenditures related to construction of an
exit from a nuclear station that will be in service three
years after ouxr projected period. These expenditures are also
removed from our analysis. The net expenditures, shown in
Column {5), are then divided by systen peak demand to obtain
the marginal transmission investment pexr kilowatt. If the
analyst had not encountered these problems, the computation
in Table 3 would have been sufficient.

D. Transmission O0&M Expenses

Trifémissiof O&M expenses are reldted to the amount
of plant in existence. Therefore, the addition of plant to

meet additional peak demands will give rise to additional

A T R T e AR
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operation and maintenance expense in-proportion to the amount
of plant added. In this sense, transmission O&M expenses are
truly marginal costs. &n explanation of why and how they are
developed follows. '

The first step in the analysis of transmission op-
eration and maintenance expenses is to analyze, on an account-
by~accéunt basis {e.g., FPC account), actual transmission
expenses for the last five years and budgeted transmission

ive vears., Any extracrdinary or ex-

h

-expenses for the next

pected nonrecurring expenses should be adjusted to typical

levels. Any dispatch expenses that are related to poel or
interchange 0§érations‘are energy-related expenses and should
be removed from the analysis of capacity-related transmission
0&M expenses. Such'expenses should be analyzed to determine
whether or not they are marginal costs., If they.are, they
should be included in the proper compenent of cost--most
likely energy. Any_expenses related to the maintenance of
transmission lines built specifically to serve remote baseload
generation are part of the trade-off of the generation plan-
ning process and should be excluded from this analysis. Any
fixed costs, such as leased rentals or fixed ?ayments to an—
other utility for use of transmission facilities, actually
are payments in lieu of capital and should be removed from
+he 0&M expense analysis and treated as investment. The
remaining transmission 0&M expenses are demand-related and

can be analyzed in this respect. ' : -
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Basically, the analyst must remember that the same
rationale underlies the treatment of both expenses and in- i
vestment. To avoid repetition, we have granted only summary

treatment to the discussion of expenses. On Table 5 we show

a sample of this computation. ¥For each vear, the total ex-
pense figure, adjusfed aé descriﬁe& abové, shoﬁld be divided
by system peak demand to arrive at a cost per—kilowatt'éﬁpense.
In some cases, company peréonnel will feel that it is betier

te arrive at a unit cost by using generation capacity instead

™

or system peak demand as the divisor. In such cases, the

unit expense mustfbe adjusted to account for the planned
reserve reguirement. These unit costs should then be converted
to constant dollars using an appropriate index. Once in con-
stant dollars, the trend in these costs is éxamined and a

level of costs is extrapolated to séveial yearskinto the

(3 3

future. For purposes of stability in ratemaking, we feel that

a single cost level, representing the midpoint of a longer
period within which technology is relatively constant, is
preferable to annual changes in rates to reflect +he trend

of expenses.
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VII. MARGINAL DISTRIBUTION COSTS

In distribution, unlike generaticn, marginal costs
may vary between consumers, depending on ipocation, density.,
terrain and local codes. The analyst must determine whether
rhere exists a sufficient difference in costs between con-
sumers to justify the establishment of £ariff distinctions
pased on considerations such as those mentioned above. Regu—
lators have, in many states, addressed this problem and have
set up rules as to what tariff distinctions should be made.
The decision as to how finely ro segregate costs between cus-

romers then rests on both the analyst's judgment and the regu-

latory environment.

In our analysis of distribﬁtion coéﬁs, we must take
into account the planning of tﬁe system. The system is planned
to providé saccess to electric utility service for each poten-
r£ial consumer irrespective of the load, and it also has to
carry the load. This could lead to the conclusion that an
equation for the total cost of the distribution system would

take the following form:
Total Cost = al(customers) + b (demand on distribution) + c.

However, since the number of customers and the demand on the
distribution system are themselves highly correlated, such an

approach would probably yield statistically insignificant?’

20  pue to the high correlation between customers and demand, this
statistical approach would result in an inability to separatel
ifdentify the marginal effects of each factor on distributidn
investment costs (i.e., +he wvalues of a and b).
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results. Therefore, we must turn to a technigue that separately

analyzes customer-related and demand-related costs.

Investment in an elect:ic distribution system is
causally related to +hres féctors: customers, demand and
energy. The customer-related portion of the distribution
system should be viewed as a system capable of connecting
all consumers but providing voltage oﬁiy-and né poﬁér. The
demand-related portion consisté of the components necesséry
o accommodate the deﬁands that consumers actually place upon
the system. The energy-related component refers to the agpgct
of distribution planning whereby least total cdsts are achieved

by placing in service distribution capaclty greater than

demand and thereby reducing energy losses. In this section,

we will outline the quantification of the customér and demand
componants. Energy will be discussed in the section on mar-
ginalllosses; We will also discuss the customer and demand costs
separately, and we will ?rovide both an overview of each type of
cost and a description of the computations. We will discuss
problgms that might arise with these analyses and, finally,

we will discuss distribution operation and maintenance expenses.

A. Marginal Customer-Related CostSwfinvestment

1. The Nature of the Costs

The customer~relatéd porticn of the distribution
system can ideally be viewed as a system which would cover
the entire territory, the facilities dependent upon the si;e
of area served, the density of the customers, etc., but woui@y‘_

provide voltage only and no power. Clearly, this investment
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should be treated as & marginal cost for new consumers. In

+his section, we will explain how toO quantify this cost and
examine‘why this cost is marginal not only for new but also
for existing customers.

The customer«related marginal distribution costs

are those dlrectly attrlbubable o the addition of a customer,

as well as those varying in proportlow +o the number of
customers but ncot the ievel of demand. The number of meters
and services will (wiﬁh'éaﬁé”éxééﬁfions) be eqgual to the num-
ber of premises served and mighE be thought of as "hook-up”
costs. The nimber aﬁé?céééﬁgfvéiSéfibution line poles (for
example) wiiiA§§éEéﬁi§”€éi§ 43 +R the number of customers but

not with the level of deméhd_on the system and, thus, are also

customer costs.

Prom a practical viewpoint; i+ can be seen that, if
customer costs are not considere&'marginal and charged to
existing consumers, a point will come when old facilities
have to be replaced if servicé‘is to continue. At this tine,
the utility wili have to choose between replacing the facili-
+iesg and discontinuing service. Tf we assume, however, &
continuing obligétion'ﬁb serve, this latter possibility is
not a realistic option. The cost of this replacement will
then fall due in ﬁhe“yegg;péenyeplacement is required. Rather
than chafgé‘ﬁhis éégﬁ in %Hétlyéar, howevar, the utility

capitalizes the investment and earns a reasonable rate of

return on the investment over its useful life. From 2 marf

S

ginal cost viewpoint, the choice becomes either to assess the
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full customer cost when it is incurred by the uﬁility or to

recognize annual charges on the customer-related portion of

the distribution system as a marginal cost. We feel that the

latter option is preferable in that it comports with tradi-
tional practice and leads to rate stability.

In order to compute the customé;—related cost,
therefore, we seek the per-customer cost of covering an elec-
tric utility's entire service territory with a distribution
system capable of serving a population of minimum demand cus-

tomers. We do not seek only the cost of extending the sys-

tem to accommodate new customers. The computation is

described below.

2. Making the Computation

As we would define it, the minimum demand customer
would have a maximum load of one-~half kilowatt, representing
such basic items as a refrigerath, lighté and auxiliary elec-
trical eguipment on a gas~ or oil- xueled home beatlng sy5tem.
The design of the minimum demand system would account for

the fact that there are certain standards that must be met

without regard ﬁo;rdeg§nd, Examples of these standards would

_be mmnlmum pole helghts to meet hlghway clearance, minimum

_pondgptor size to avoid sagging, and a minimum transformer

size to meet the economic considerations of cordering and

maintaining inventories. The minimum system would not merely
e B

reflect replacing all components currently installed with the

minimum size component currently in use, but it would be a -
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system that could serve all the utility's customers at the
minimum demand level. It would reflect customer and load
densities. For example, while zll services would be minimum
gize services, some primary feeder lines may have to be larger

than the minimum size conductor to accommodate the estimated

coincident demands placed upon them by the minimum demand
customers. In dense areas where-a single transformer cur-
rently serves three or four customers, a single transformer
would be capable of serving many more customers. Yet, in
rural areas where A mifimum size transformer currently exists
to serve a single CBstomer, that one customer would z2till need

the transformer even if his load were reduced to the minimum

demand level. Since all customers would be treated as minimum
demand customers, the only possible difference in cost between
connecting a residential customer and connecting a commercial
customer would arise from differences in their location on the
system and the length of the service needed to connect them

to the System.

Since our ideal view of the customer-related costs
calls for providing voltage but no povwer, we would subtract
from the costs computed (as described above) the material
costs associated with conductors and transformers. Our system

would then consist of all the labor costs necessary to put

thether'Ebda§'s miﬂiﬁﬁmMé§§£éﬁ and all material cogts ex-

cept those of conductors and transformers?! which we conceive

-

21 In some cases, there may be other demand-related material
costs. -
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of as being chiefly demand related. Some may.argue that we
have overestimated the cost of the minimum system, while
others may argue +that the cost of some minimum conductors must
be included if wvoltage is to be provided. Our proposed method
balances +hese two arguments and provides a framework for
measurement based upon actual construction practices as ogposed

to the construction of a hypothetical system.

Having made these computatlons, we divide the total
cost of the customer-related system (In today'é dollars) by
+he total number of customers in order to obtain the marginal
customer-related distribution investment per customer.

While our discussion has addressed itself exclusively
+o an overhead system, the principles are egqually applicable
to underground systemec. Additionally, we recognize that mar-
ginal customer-related costs may vary within a single sefvice
territory due to such factors as undergrounding and population
density. In such cases, more than one marginal customer-

related cost must be computed.

Table 6 shows a sample of this compgtatian. Each
component of the customer-related system is included, and
the quantity.required for each is specified. The cost is
expressed in constant dollars and must include both material
and labor costs except as outlined above for transformers éﬁd
conductors. - It should be noted that these latter costs in-
clude only the cost of installation. Tﬁe total cost of all
components in Column (3) is calculated and then divided by

rotal number of customers served in Column (4).
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B. Marginal Demand-Related (Capacity} Ccosts--Investment

1. The Nature of +he Costs

pemand-related distribution cosis can be v1ewed as
211 costs above +he cost of the customer-related system that
are incurred by power demanded by consumers. These costs
would include rhe cost of Aonductors, transformers, and even
euch expenditures as +the guying of distribution poles, which,
since largexr guys are ragquired for heavier conductors, will
vary with demand.

In analyzing demand~related distribution investment,

we must once again return to the planning process and examine

the causative factors of such investment. 2t the level of
+he 1ink to a consumer which serfes him alone, the maximum
xilowatt demand, whenever it occurs, theoretically determines
the size?? of the facilities required. At the. generator bus,
however, it is the consumer's demand at the time of the sys-
+em maximun load that is important. Between these extremes,
+he common distribution system is designed to serve the con=
sumer on the basis of the degree of c01nc1dence ‘between his
maximum demand and the max1mum demands of cthers.

Therefore, what has to be measured 1is +he additional

cost of dlstrlbutlon facmlltles requlred when a kilowatt of

22 e say theoretically because, in practice, the size of a
facility may be- invariant over a large range of kilowatt
demands. The reason ig that the economics of purchas;ng
and storing materials may dictate a standardization of
sizes. "
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load is added by a consumer--taking into account the diversity
of all consumers' demands. Diversity consists not only of a
time wvariance but also of a geographic variance. Given two
separate geographic areas, one peaking at 8:00 a.m., the other

peaking at 8:00 p.m.,; the sanme generating eguipment can serve
each peak, but the same distribution equipment cannot. 80, in
principle, one would want tc consider each area separately to
determine if the costs of service are different. However, it
ig often not feasible to distinguish between areas in the
final analysis. We shall return to this point later when wé
discuss problems that may arise in analyzing distribution in-
vestment.

- What follows from the above is that distribution
cost responsibility will vary not only with a customer's maxi-

mum demand or contribution to peak demand, but also with the

whole gamut of his load characteristics. ZIdeally, one would

want to analyze separately each level of the distribution
system for which a different demand was considéred to be the
cost causative factor. One could then meter each customer's
probable contribution to demand at each time and assess cost
in the most egquitable way. At this stage, however, such a
complex system is not eénvisioned. What we seek to measure
ig a distribution cost per kilowattlof a single measurable
demand. This necessitates grouping customers into classes

having homogeneous load characteristics.

T

e e e T e
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Since rates probably will continue to be made on a
class basis for some time, cost compdtations should reflect
class load characteristics.

2. Making the Computaticn

in prinéiple, there are three approaches to the de-
rivation of demand-related distribution costs: we may predict

the kinds of equipment to be added to meet a load increment

and compute the cost; we may use a statistical approach; or we
can take the first differences in capacity-related investmehts
and in peak demand, over a period of time, and divide the
former by the latter to obtain ocur estimate of the marginal
unit cost.

The first approach is recognizable as the straight-
forward engineering cost estimate to which we have referred in

3 1+ guffers from the same

the section on transmission.?
infirmity, i.e., internal growth of the system is extremely

difficult to measure in physical units. We are inclined, on
pragmatic grounds, not to recommend its use.

The second approach (statistical analysis) is our
preferred method. An example of this appreoach is shown on
Table 7. This table shows total demand-related distribu-
tion investment for a utility (in 1975 dollars) and the

demands on the distribution system for a period of 17 years.

Also shown on this table is the .equation derived from the data

2%  gSee page 66,
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using the least-squares regression technigue. (It is assumed
that demand~related distribution investments are those accounts
covering substations, ali conductors and conduit and distribu-
tion line transformers.?®*) Note that the egquation does not go
through the origin but rather has a positive intercept. This

intercept may be interpreted as that portion of the costs in

those accounts which does not vary with demand. Intuitively,

cene might say that it represents such things as the cost of

mounting the lightning arrester and fused cut-out with a trans-

former—--a task whose labor reguirement is invariant with demand
but which may vary with the number of customers. The coef-
ficient of the'independent variable (peak demand) is the dollar
per~kilowatt marginal cost of distribution capacity.

As with all statistical analyses, the analyst must
possess a degree of statistical proficiency and check that all
statistical tests are met. In our example, we show thelresults

of the t-test, the R?, and the Durbin-Watson statistic. Statis-

tical inference, of course, is not a2 purely objective exercise.
We feel that the results of this regression are valid and
accurate predictors within a range of tolerance that will not
substantially alter any recommendations made based upon our
infexénce of the marginal distribution cost. Thecretically,

it is indisputable that investment in the distribution accounts

2% It is assumed that the customer-related costs previously
discussed have been subtracted out where appropriate and
also that replacement costs have been removed.
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